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Abstract: HSG (high-sulfur gas) reservoirs are prevalent globally, yet their exploitation is hindered
by elevated levels of hydrogen sulfide. A decrease in temperature and pressure may result in
the formation of sulfur deposits, thereby exerting a notable influence on gas production. Test
instruments are susceptible to significant corrosion due to the presence of hydrogen sulfide, resulting
in challenges in obtaining bottom hole temperature and pressure test data. Consequently, a WTD
(wellbore temperature distribution) model incorporating sulfur precipitation was developed based
on PPP (physical property parameter), heat transfer, and GSTP (gas–solid two-phase) flow models.
The comparison of a 2.53% temperature error and a 4.80% pressure error with actual field test data
indicates that the established model exhibits high accuracy. An analysis is conducted on the impact
of various factors, such as production, sulfur layer thickness, reservoir temperature, and reservoir
pressure, on the distribution of the wellbore temperature field and pressure field. Increased gas
production leads to higher wellhead temperatures. The presence of sulfur deposits reduces the flow
area and wellhead pressure. A 40% concentration of hydrogen sulfide results in a 2 MPa pressure
drop compared to a 20% concentration. Decreased reservoir pressure and temperature facilitate the
formation of sulfur deposits at the wellhead.

Keywords: HSG reservoirs; sulfur deposition; WTD; predictive model; impact factors

1. Introduction

The ongoing expansion of natural gas exploration and development activities is driven
by the desire for a clean, environmentally friendly, and high-calorific-value energy source.
Of particular interest are HSG reservoirs, which are characterized by significant levels
of hydrogen sulfide [1,2]. These reservoirs present unique challenges, as the presence
of hydrogen sulfide not only poses environmental and safety risks but can also result in
sulfur deposition under specific temperature and pressure conditions. In HSG wells, sulfur
deposition transformation commonly takes place in regions of temperature fluctuation
and pressure decrease, particularly in proximity to the wellhead [3–5]. The accumulation
of sulfur can result in obstructions in pipelines, causing disruptions in gas flow and
diminishing production output.

Comprehension of the impact of temperature and pressure on sulfur deposition can
aid operators in optimizing the operational parameters, such as modifying the wellhead
temperatures or adjusting the fluid dynamics conditions, to mitigate sulfur deposition,
enhance production efficiency, and minimize operational downtime. The presence of
HSG can lead to significant corrosion issues, with the rate and nature of corrosion being
influenced by fluctuations in temperature and pressure [6,7]. The maintenance of precise
temperature and pressure models is imperative for the evaluation and management of
risks in HSG reservoirs, enabling the proactive identification and resolution of potential
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problems and facilitating the development of efficient monitoring and control systems
by operators.

The temperature and pressure distribution within wellbores has long been a focal
point in the advancement of oil and gas field development, prompting numerous scholarly
investigations. The initial research primarily focused on steady-state conditions, with
Ramey pioneering a seminal numerical model for quasi-steady-state wellbore temperature
fields [8]. Subsequent studies have yielded a wealth of findings that have been applied
to diverse and intricate scenarios. Willhite, for instance, delved into the heat transfer
mechanisms between the fluid components within tubing and the surrounding reservoir,
culminating in the derivation of comprehensive heat transfer coefficient expression [9].
Raymond introduced the initial transient wellbore heat transfer model to address the tem-
perature distribution in circulating drilling fluid [10]. Eickmeier et al. utilized the explicit
finite difference method to discretize wellbores in both the radial and axial directions [11].
A fully implicit wellbore heat transfer numerical model was proposed by You, wherein the
fluid energy equation was considered transient, while Ramey’s steady-state heat transfer
assumption was maintained for the wellbore section [12]. Dong et al. examined the distribu-
tion of wellbore temperature fields during volumetric fracturing, utilizing the Eickermeier
model as a framework for their study [13].

In contrast to numerical models, analytical models offer the benefits of a rapid cal-
culation speed and the absence of stability or convergence requirements. Consequently,
scholars have introduced an analytical model for the wellbore temperature field under
specific simplified conditions. Hasan and Kabir have extensively documented their work
on an analytical model of the wellbore temperature field, focusing on enhancements to the
dimensionless time function. Additionally, they have incorporated the relaxation distance
into a transient equation for wellbore fluid and utilized the heat storage coefficient to
represent the unsteady heat transfer characteristics [14–16].

In recent years, there has been continued emphasis on the investigation of the well-
bore temperature field in academic research. Wang further contributed to this area of
study by developing a mathematical model aimed at characterizing the distribution of
temperature and pressure within wellbores, addressing the need for real-time monitoring
of these parameters in gas injection wells [17]. Sun introduced a novel, comprehensive, and
precise approach to forecasting wellbore temperature and pressure and the formation of
hydrates [18]. Zheng introduced a coupling model that considers the relationship between
wellbore temperature and pressure in a water-bearing gas well, examining the impact of
the pipe diameter, gas production, gas–water ratio, and temperature and pressure fields
in a high-water-bearing gas well [19]. An developed a numerical model to analyze the
transient temperature–pressure coupling field in a small borehole [20]. Chen employed
a wellbore heat transfer model to forecast transient temperature fluctuations, taking into
account the influences of the drilling fluid characteristics, drill pipe eccentricity, rotation,
and bit rock fracturing on annular temperature distributions [21].

When the concentration of elemental sulfur in the gas phase surpasses its solubility
in natural gas with a high sulfur content, sulfur deposits may form in the wellbore. The
solubility of elemental sulfur in gas is determined through various methods, including
using experimental data, semi-empirical prediction models, thermodynamic models, and
artificial neural network predictions. Numerous scholars have conducted extensive experi-
mental studies to expand the scope of the experimental conditions, including the medium
composition, pressure, and temperature. The medium component was expanded from
a three-component system to a six-component system, with the experimental pressure
increased to 137.9 MPa and the experimental temperature raised to 563 K [22–25].

Based on empirical data, scholars have conducted extensive research on theoretical
prediction models of sulfur solubility in natural gas wellbores, resulting in the development
of empirical correlation formulas with varying coefficients [26,27]. These formulas can
effectively predict the sulfur solubility in sulfur-containing gas wellbores. Additionally,
the current semi-empirical prediction model for sulfur solubility has demonstrated efficacy
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in correlating elemental sulfur solubility under high-temperature and high-pressure con-
ditions. Based on the principles of thermodynamic phase equilibrium, the dissolution of
elemental sulfur in acidic natural gas can be conceptualized as an equilibrium problem
between the gas and solid phases [28–30]. The solubility of sulfur is influenced by various
factors, including pressure, temperature, and the concentration of temperamental compo-
nents, making it challenging to establish a universal and simplified model for practical
correlation. Given the superior precision of artificial neural network correlation functions
in accounting for multiple influencing factors, numerous algorithms have been developed
to address the issue of predicting sulfur solubility [31–33].

In summary, an in-depth analysis reveals that the current research on the distribution
of temperature fields in wellbores and sulfur deposition is relatively extensive. However,
there remains a lack of maturity in understanding the temperature fields of sulfur deposition
in sulfur gas wells. This paper aims to delve deeper into the aforementioned issues, develop
a predictive model tailored to temperature in the wellbores of HSG wells, assess the impact
of key factors on the temperature field distribution, and offer insights for optimizing
production systems and enhancing safety management in HSG reservoirs.

This study initially determined the PPP model, followed by the derivation of WTD
and wellbore pressure models, as well as the integration of a sulfur solubility model.
Subsequently, actual field test data were selected to validate and assess the accuracy of
the models. Finally, the study analyzed the impacts of various key factors (such as gas
production, sulfur layer thickness, HSC (hydrogen sulfide content), reservoir temperature,
and reservoir pressure) on the distribution of wellbore temperature fields.

2. Methodology
2.1. PPP Models
2.1.1. Deviation Coefficient

In contrast to conventional gas reservoirs, HSG reservoirs exhibit more intricate
and distinct fluid phase characteristics, resulting in a notably different gas deviation
coefficient. The determination of this coefficient involves both experimental measurement
and calculation methods. Due to the time-consuming and costly nature of the experimental
measurement method, the empirical formula calculation method is typically employed.

Previous studies have shown that the DPR approach is closer to reality. Dranchuk,
Purvis, and Robinson converted the deviation coefficient into a function of the contrast
pressure and contrast temperature and derived an empirical formula with 8 constants in
1974 [34], as follows:

Z = 1 +
(

A1 +
A2
Tr

+ A3
T3

r

)
ρr +

(
A4 +

A5
Tr

)
ρ2

r +
(

A5 A6
Tr

)
ρ5

r

+ A7
T3

r
ρ2

r
(
1 + A8ρ2

r
)

exp
(
−A8ρ2

r
) (1)

ρr = 0.27Pr/(ZTr) (2)

The values from A1 to A8 are shown in Table 1.

Table 1. DPR parameter values.

A1 0.31506237 A5 −0.61232032

A2 −1.0467099 A6 −0.10488813
A3 −0.57832729 A7 0.68157001
A4 0.53530771 A8 0.68446549

The inclusion of CO2 and H2S components in acidic gas influences the critical temper-
ature and pressure of natural gas, resulting in an elevation of the gas deviation coefficient
Z value and subsequent calculation inaccuracies. As such, it is imperative to adjust the
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critical parameter properties for acidic natural gas. This study employs the Wichert–Aziz
correction method [35] for this purpose.

ε = 15
(

M − M2
)
+ 4.167

(
N0.5 − N2

)
(3)

The critical temperature and pressure of each component should be correlated with the
parameter ε, and the correction relationship for the critical parameter is outlined as follows.

T′
ci = Tci − ε (4)

p′ci = pciT′
ci/Tci (5)

2.1.2. Viscosity

The viscosity of natural gas is calculated using the Dempsey method [36]:

ln
(

µgTr
µ1

)
= B0 + B1Pr + B2P2

r + B3P3
r + Tr

(
B4 + B5Pr + B6P2

r + B7P3
r
)

+T2
r
(

B8 + B9Pr + B10P2
r + B11P3

r
)
+ T3

r
(

B12 + B13Pr + B14P2
r + B15P3

r
) (6)

µ1 =
(
1.709 × 10−5 − 2.062 × 10−6γg

)
(1.8T + 32)

+8.188 × 10−3 − 6.15 × 10−3lg
(
γg
) (7)

The values from B0 to B15 are shown in Table 2.

Table 2. Dempsey method parameter values.

B0 −2.4621182 B6 0.36037302 B12 0.0839387178

B1 2.97054714 B7 −0.0104432413 B13 −0.186408846
B2 −0.286264054 B8 −0.793385684 B14 0.0203367881
B3 0.00805420522 B9 1.39643306 B15 −0.000609579263
B4 2.80860949 B10 −0.149144925
B5 −3.49803305 B11 0.00441015512

Additionally, the viscosity of natural gas with an elevated sulfur content is frequently
increased by the presence of non-hydrocarbon gases like H2S. Therefore, it is essential to
adjust for non-hydrocarbon effects when predicting the viscosity of HSG. The empirical
method is used [37]:

µ′
1 = µ1 + µN2 + µCO2 + µH2S (8)

µN2 = N2 ·
(
8.48 × 10−3lg

(
γg
)
+ 9.59 × 10−3)

µCO2 = CO2 ·
(
9.08 × 10−3lg

(
γg
)
+ 6.24 × 10−3)

µH2S = H2S ·
(
8.49 × 10−3lg

(
γg
)
+ 3.73 × 10−3) (9)

2.1.3. Thermal Conductivity Coefficient

The thermal conductivity of sulfur exhibits temperature-dependent variability, with
the thermal conductivity of solid sulfur demonstrating a gradual decrease as the tempera-
ture rises. The predictive equation describing the relationship between thermal conductivity
and temperature for sulfur is as follows [38]:

λ = 0.8935 − 3.3347 × 10−3T + 4.1524 × 10−6T2 (10)
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2.2. WTD Model
2.2.1. Equation of Heat Conduction

A thermal energy diagram for a microunit is depicted in Figure 1. In the absence of
an internal heat source, the following, Equation (11), is derived in accordance with the
principle of the conservation of energy.

qx + qy + qz = qx+dx + qy+dy + qz+dz +
dE
t

(11)

The heat entering the microunit is
qx = −λdydz ∂T

∂x

qy = −λdxdz ∂T
∂y

qz = −λdxdy ∂T
∂z

(12)

The heat escaping from the microunit is
qx+dx = −

[
λ ∂T

∂x + ∂
∂x

(
λ ∂T

∂x

)
dx
]
dydz

qy+dy = −
[
λ ∂T

∂y + ∂
∂y

(
λ ∂T

∂y

)
dy
]
dxdz

qz+dz = −
[
λ ∂T

∂z + ∂
∂z

(
λ ∂T

∂z

)
dz
]
dxdy

(13)

The heat change inside the microunit is

dE
t

= ρcdxdydz
∂T
∂t

(14)

According to Equations (11)–(14):

∂2T
∂x2 +

∂2T
∂y2 +

∂2T
∂z2 =

ρc
λ

∂T
∂t

(15)

For a wellbore, cylindrical coordinates are generally used, so Equation (15) can be
converted into the following form:

∂2T
∂r2 +

1
r

∂T
∂r

=
ρc
λ

∂T
∂τ

(16)
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2.2.2. Transient Temperature Model

The temperature of the bottom hole fluid during production surpasses the reservoir
temperature at an equivalent depth, leading to continuous heat transfer to the surrounding
environment until thermal equilibrium is achieved. The fluid heat is transferred to the
reservoir through the multilayer wall of the casing and cement ring (Figure 2). Based on
the heat transfer characteristics, the heat transfer process within the micro-tube section
is divided into two distinct steps: gas heat transfer within the wellbore and heat transfer
along the surrounding well walls.

To simplify the model, the assumptions outlined in this paper are incorporated:

(1) The transmission of heat from high-temperature gas to the sulfur layer occurs through
thermal convection.

(2) Heat transfer in the sulfur layer, tubing, casing, and cement takes place through heat
conduction.

(3) The heat transfer in the annulus is characterized by convection and radiation.

The heat transfer process comprises three components: (1) Axial heat conduction
generated by the control component; (2) Radial heat conduction between the control
components; and (3) Changes in internal energy, such as sulfur scale, the oil sleeve, and the
cement ring, which can be more readily determined through a series thermal conductivity
structure. The tubing experiences intricate thermal processes, including heat conduction,
heat convection, and heat radiation. Therefore, the thermal conductivity of the oil casing
and the cement ring, as well as influencing factors such as annular convection and heat
conduction, are crucial in determining the total heat transfer coefficient. Additionally, the
presence of sulfur scale can impact heat loss.
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The heat transfer of fluid in tubing adheres to the principle of energy conservation.
To facilitate the analysis and derivation of the heat transfer in the wellbore, the following
hypothesis is proposed based on the flow process of fluid in tubing: (1) The fluid flows
statically in a one-dimensional space within the wellbore. (2) The unit controls do not
generate any phase change heat within the body, and the temperature of each phase remains
constant. The mathematical model can be expressed as follows:

∂2Ts (r, t)
∂r2 +

1
r

∂Ts (r, t)
∂r

=
(ρc)s

λs

∂Ts (r, t)
∂t

(17)
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∂2Ttub (r, t)
∂r2 +

1
r

∂Ttub (r, t)
∂r

=
(ρc)tub

λtub

∂Ttub (r, t)
∂t

(18)

∂2Tcas(r, t)
∂r2 +

1
r

∂Tcas(r, t)
∂r

=
(ρc)cas

λcas

∂Tcas(r, t)
∂t

(19)

∂2Tann (r, t)
∂r2 +

1
r

∂Tann (r, t)
∂r

=
(ρc)ann

(hc + hr)ann

∂Tann (r, t)
∂t

(20)

∂2Tcem(r, t)
∂r2 +

1
r

∂Tcem(r, t)
∂r

=
(ρc)cem

λcem

∂Tcem(r, t)
∂τ

(21)

The subscripts s, tub, cas, ann, and cem represent the sulfur layer, tubing, casing, the
annulus, and the cement layer, respectively. It is worth noting that a well may contain
multiple casings.

2.3. Wellbore Pressure Model

When the temperature and pressure within the wellbore reach a specific threshold,
sulfur particles will precipitate within the wellbore, resulting in a GSTP flow. The pressure
drop in this flow can be attributed to three factors: friction, gravity, and acceleration. Due
to the higher density of sulfur particles compared to the surrounding fluid, the pressure
drop within the wellbore is increased. The formation of a sulfur scale layer on the wellbore
surface acts as insulation, reducing heat dissipation to the formation. Additionally, the
sulfur scale impacts the flow area by reducing the diameter of the wellbore, resulting in an
increased pressure drop and accelerated sulfur deposition. The presence of water in the
gas stream can lead to the formation of hydrates, causing blockages in the wellbore that
can result in decreased production or complete shutdown. It is imperative to implement
proactive preventive and control measures to mitigate production losses and ensure safety.

Due to the significant disparity in dimensions between the length and diameter of the
wellbore, the flow of HSG within the wellbore is regarded as a one-dimensional issue. An
analysis diagram depicting the microunit is illustrated in Figure 3.
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The external forces acting on the microunit include gravity G, the pressure differential
∆p, and frictional resistance Ff .

G = −ρgAdz sin θ (22)

∆p = pA − (p + dp)A = −dpA (23)

Ff = − f
ρv2

2d
dz (24)
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The change in the momentum of the microunit is ρAdz dv
dt . According to the law of

conservation of momentum, we derive

dp
dz

= ρg sin θ + f
ρv2

2d
+ ρv

dv
dz

(25)

When sulfur particles are precipitated from the HSG, there is a multi-phase flow in
the wellbore, so it is necessary to modify the PPPs. The pressure drop can be expressed as
Equation (26).

dpm

dz
= ρmg sin θ + fm

ρmv2
m

2d
+ ρmvm

dvm

dz
(26)

ρm = ρg(1 − α) + ρsα (27)

vm = vg(1 − α) + vsα (28)

fm = fg(1 − α) + fsα (29)

fs =
27

F0.75
r

(30)

Fr =
vs

2

gds
(31)

The friction coefficient is based on the Colebrook model, which is widely used for
turbulent flow [39].

1√
fg

= −2lg

(
k

3.7d
+

2.51
Re
√

fg

)
(32)

Re =
ρgvgd

µg
(33)

2.4. Sulfur Solubility Model

To develop a comprehensive understanding of the precipitation and deposition of
elemental sulfur within the wellbore, it is imperative to choose a predictive model for the
solubility of elemental sulfur in natural gas. Given that the solubility of elemental sulfur is
influenced by variations in pressure and temperature, an examination of the correlation
between solubility and these environmental factors is essential for accurate prediction.
Thus, an investigation into the interplay between temperature, pressure, and elemental
sulfur solubility is warranted. Chrastil proposed a formula based on thermodynamics to
predict the solubility of elemental sulfur in HSG [40].

Cr = ρL exp
(

M
T

+ N
)

(34)

The area under investigation in this study is situated within Sichuan Province, China.
Recent research findings suggest that the proposed prediction model provides a more pre-
cise description of sulfur deposition [41]. Utilizing this model, predictive charts illustrating
sulfur deposition under varying temperature and pressure conditions can be generated.

Cr =

(
28.96γg p

ZRT

)−0.0141T+9.8917
exp

(
−813.69

T
− 12.71

)
(35)

2.5. Initial Conditions and Boundary Conditions
2.5.1. Initial Conditions

At the onset of gas well production, a formation heat balance state is established,
with both the wellbore temperature and formation temperature conforming to the linear
geothermal gradient.

Ti = T0 + az (36)
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2.5.2. Boundary Conditions

The formation temperature away from the wellbore is the original formation temperature.

T|r→∞ = Ti (37)

2.6. Numerical Methods

In previous studies, a semi-analytical model was employed to address wellbore tem-
perature [42]. Given the complexity of a numerical model involving multiple partial
differential equations for the wellbore-to-formation heat transfer and the necessity for
temporal convergence, the fully implicit finite difference method was utilized to resolve
these issues.

The temperature field model is governed by a second-order partial differential equa-
tion, which is discretized in both the temporal and spatial domains. The resulting discrete
formulation of the differential equation is achieved by aggregating the temperature terms
at the corresponding spatial and temporal nodes. The resulting system of algebraic equa-
tions to be solved is constructed by organizing the temperature variables radially from
the wellbore center to the formation, longitudinally from the wellhead to the bottom, and
temporally from a shorter to longer duration. The governing equation employs a first-order
upwind scheme for the spatial derivative and a two-point backward difference for the time
derivative. The second-order spatial derivative is calculated using a three-point central
difference scheme. For Equations (17)–(21), the discrete scheme of the specific partial
differential equation is

Tn
i+1,j − 2Tn

i,j + Tn
i−1,j

∆r2 +
1
ri

Tn
i+1,j − Tn

i,j

∆r
=

ρc
λ

Tn
i,j − Tn−1

i,j

∆t
(38)

The wellbore pressure model utilizes an explicit difference scheme, while the spatial
derivative of the governing equation is implemented using the first-order upwind scheme.

pn
j − pn

j−1

∆z
= ρmg sin θ + fm

ρmv2
m

2d
+ ρmvm

vn
j − vn

j−1

∆z
(39)

2.7. The Calculation Process

The mining process of HSG wells is significantly influenced by the temperature and
pressure within the wellbore, which in turn affects the PPPs of the fluid. This reciprocal
relationship necessitates iterative calculations to solve the coupled process. A series of initial
values are postulated for calculation, with the resultant value being juxtaposed against the
assumed initial value. In the event that the outcome fails to satisfy the precision criteria,
the calculated result is designated as the new initial value, and subsequent calculations
are conducted until the desired level of accuracy is attained. The calculation procedure
necessitates computation from the wellhead to the wellbore’s base, encompassing the
tubing’s interior and the formation. The specific calculation process is shown in Figure 4.

The specific calculation steps are as follows:

(1) Initiate the program and input the initial parameters, which encompass well structure
data, production performance data, physical property data, and the heat transfer
coefficient.

(2) Spatial and temporal discretization of the simulation domain is determined based on
the depth and radial orientation of the well.

(3) Calculate the initial temperature, pressure, and PPPs according to Sections 2.1, 2.4
and 2.5.

(4) At one time step, the pressure field distribution is first calculated. The pressure is
calculated in stages from the wellhead to the bottom:
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• Based on the findings outlined in Section 2.4, it is imperative to ascertain the
attainment of critical solubility and the subsequent precipitation of sulfur. Should
sulfur precipitation occur, the utilization of a multi-phase pressure calculation
model is warranted; conversely, if sulfur does not precipitate, the adoption of a
single-phase pressure calculation model is recommended.

• Determine the pressure values Pi and Pi+1 from Section 2.3. Calculate the PPPs
and pressure value P’i+1 as outlined in Section 2.1, and compare Pi+1 with P’i+1
to assess compliance with the accuracy requirements. If met, proceed to the
subsequent step; if not, substitute the value of Pi+1 with P’i+1 and iterate the
aforementioned process until the accuracy requirements are satisfied.

• When the pressure of the i grid reaches the calculated accuracy, the grid moves
down, and the pressure in the next grid is calculated until that of the bottom of
the hole is calculated.

(5) The temperature is calculated from the bottom to the wellhead:

• Determine the temperature of the wellbore in grid i using the methodology
outlined in Section 2.3. The precision of this calculation is similar to that of the
pressure calculation. Following the completion of the calculation, assess the
temperature distribution radially from the tubing to the reservoir.

• As the pressure in the lower part reaches the predetermined level of accuracy,
advance the grid upwards and compute the temperature in the subsequent grid
until reaching the wellhead.

(6) The time step calculation method utilized in steps (4) through (5) should be iteratively
applied until all time steps have been computed.

(7) Save the data and output the calculation results.
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Figure 4. The calculation process.

3. Validation

X Well, located in Sichuan, China, is a hydrogen sulfide gas well characterized by
a highly inclined drilling type, a depth of 4860 m, and an HSC of 233.79 mg/m3. The
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operators performed well test operations to analyze the wellbore pressure, temperature
distribution, reservoir seepage, and productivity characteristics, thereby establishing a
technical foundation for the scientific and rational development of the well. The testing
procedure is automated using an electronic pressure gauge and is configured to collect
data. The experimental test yielded temperature and pressure data, which are presented
in Table 3 and Figure 5. The pressure exhibits a linear increase, while the temperature
demonstrates rapid changes in the upper region and slower changes in the lower region.

Table 3. Temperature and pressure test result data.

Depth
(m)

True Vertical
Depth (m)

Pressure
(MPa)

Pressure Gradient
(MPa/100 m)

Temperature
(◦C)

Temperature Gradient
(◦C/100 m)

0.00 0.00 16.620 / 40.78 /
1000.00 999.99 18.584 0.196 68.06 2.73
2000.00 1999.26 20.497 0.191 78.72 1.07
3000.00 2998.94 22.394 0.190 87.73 0.90
3100.00 3097.32 22.580 0.189 88.37 0.65
3250.00 3229.07 21.953 0.257 89.37 0.76
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Figure 5. Measured data ((a) pressure; (b) temperature).

A schematic representation of the depth of the structure of well X is illustrated in
Figure 6, which comprises three casing layers arranged from innermost to outermost. The
production tubing has an outer diameter of 114.3 mm and an inner diameter of 100.54 mm.

A comparison between the test data and calculated data is presented in Figure 7 for
temperature and pressure, respectively. The maximum, minimum, and average errors for
temperature are 4.94%, 1.29%, and 2.53%, while for pressure, they are 7.07%, 0.2%, and
4.80%. The errors in the pressure calculations are found to be greater than those in the
temperature calculations. These results suggest that the model established in this study
provides more accurate predictions.

Based on the calculation outlined in the formula for determining sulfur solubility, it
was observed that the solubility of elemental sulfur was limited to 0.23 g/cm3 under the
prevailing wellhead pressure and temperature conditions. The declining wellhead pressure
in well X prompted the disassembly of the well valve to investigate the potential presence of
sulfur deposition. Subsequent experimental analysis revealed that 84.5% of the precipitated
substances consisted of sulfur deposits (Table 4). A significant quantity of solid sediment
adheres to the inner wall of the import and export pipe, measuring approximately 3–5 mm
in thickness and possessing a hardened consistency (Figure 8). Sulfur is consistently
adsorbed and accumulated on the pipe wall, transitioning from dispersion to concentration,
and subsequently forms a consolidated and thickened layer in a sequential manner from
the interior to the exterior. This overall process can be categorized into two distinct stages:
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the initial phase involving the aggregation and adsorption of individual particles, followed
by the subsequent stage of deposition, consolidation, and thickening.
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Figure 6. Wellbore structure of well X.
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Table 4. Test results of components.

Component Na2O MgO Al2O3 SiO2 P2O5 SO3 Cl K2O

Mass ratio 0.0905 0.1089 0.8055 1.6912 0.0174 3.6514 0.0305 0.0828
Component CaO Fe2O3 NiO CuO ZnO SrO BaO S
Mass ratio 0.1676 0.4706 0.0087 0.0154 0.1239 0.0202 8.0479 84.668

4. Discussion

Utilizing the data obtained from well X and employing the model outlined in this
study, the temperature profile distribution of the wellbore is computed, as depicted in
Figure 9. This analysis enables examination not only of the temperature distribution of
the fluid but also of the tubing and casing. The gas travels from the reservoir to the
wellbore and subsequently to the surface processing facilities, with a continual decrease
in pressure and temperature throughout the entire process. The surface processing stage
is characterized by low temperatures and pressures, resulting in minimal solubility of
elemental sulfur in the natural gas. Initially, the surface process leads to precipitation and
sedimentary blockage, which subsequently progresses to the reservoir of wellbore sulfur
deposition blockage.
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Figure 9. Temperature field.

This section will explore the primary factors influencing the temperature and pressure
distribution. The findings of this exploration will elucidate the varying degrees of influence
exerted by different factors on temperature and pressure and provide a theoretical basis for
the judgment of sulfur deposition.

4.1. Gas Productivity

Variations in gas well production lead to corresponding fluctuations in the distri-
bution of pressure within the well. This study conducted calculations to determine the
wellhead temperature and annular flow pressure under three distinct production rates:
60 × 104 m3/d, 90 × 104 m3/d, and 120 × 104 m3/d. The results of these calculations are
presented in Figures 10 and 11. The highest recorded wellhead temperature was 49.6 ◦C,
while the lowest temperature reached 41.3 ◦C. As the production levels doubled, there was
a corresponding 20.09% increase in the wellhead temperature. The rise in gas production
leads to a notable elevation in the wellhead gas temperature. The proximity of gas to
the wellhead results in a more pronounced temperature differential among various gas
production levels. This phenomenon can be attributed to the heightened heat loss of gas
within the tubing, caused by the substantial temperature variance between the gas within
the tubing and the reservoir. Additionally, as gas production increases, the fluctuation
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in the gas density within the tubing remains minimal, while the difference of pressure is
not obvious.
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Figure 10. WTD at different gas productivities ((a) 60 × 104 m3/d; (b) 120 × 104 m3/d).
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Figure 11. Comparison at different gas productivities ((a) temperature; (b) pressure).

4.2. Sulfur Thickness

The thickness of the sulfur layer was varied at 10 mm, 20 mm, and 30 mm for the
purpose of conducting a comparative analysis (Figures 12 and 13). It was observed that
the pressure fluctuations at the wellhead were significant, with a maximum pressure of
17.46 MPa and a minimum pressure of 16.90 MPa. When sulfur precipitates in the wellbore,
the resulting particles have a very small radius, typically on the nanometer scale. Due to
their size and adhesive properties, these particles do not settle at the bottom of the well
under the influence of gravity but instead adhere to the walls of the oil pipe. This results
in a relatively uniform distribution of sulfur particles, forming a ring-like pattern that
gradually thickens to create a layer of sulfur scale. The formation of sulfur on the pipe wall
can lead to changes in its surface roughness and diameter, impacting the flow rate, friction
resistance, and pressure drop. However, the influence of the sulfur’s thickness on the fluid
dynamics within the pipe and the temperature field surrounding it is minimal.

4.3. HSC

The HSC was varied at levels of 0%, 20%, and 40% for the purpose of conducting a
comparative analysis (Figures 14 and 15). While the temperature differences were minimal
across the different HSC levels, there was a noticeable change in pressure. Specifically,
the wellhead pressure was measured at 16.0 MPa for a 20% H2S content and 14.0 MPa for
a 40% H2S content. Higher HSCs were found to result in increased natural gas density.
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Consequently, higher HSCs led to more rapid pressure drops, a greater dissolution capacity,
and reduced sulfur precipitation. The influence of specific heat capacity on temperature
during the precipitation of sulfur particles is comparatively lower, as compared to that of
single-phase gas, owing to the reduced solid content.
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Figure 12. WTD at different sulfur thicknesses ((a) 20 mm; (b) 30 mm).
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Figure 13. Comparison of results at different sulfur thicknesses ((a) temperature; (b) pressure).
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Figure 14. WTD at different HSCs ((a) 20%; (b) 40%).
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Figure 15. Comparison at different HSCs ((a) temperature; (b) pressure).

4.4. Reservoir Pressure

During the intermediate and advanced stages of development in an HSG field, con-
tinuous gas extraction leads to diminished reservoir energy and a decline in reservoir
pressure. Consequently, the pressure within the wellbore also diminishes significantly,
exacerbating sulfur deposition and posing significant production challenges. Comparative
analysis was conducted with the reservoir pressures set at 21.9 MPa, 15 MPa, and 10 MPa,
respectively (Figures 16 and 17). With a consistent temperature gradient, minimal change
is observed in the temperature of the wellbore fluid and the surrounding wellhead wall.
However, a more pronounced change is evident in the wellhead pressure. When the reser-
voir pressure is at 10 MPa, the wellhead pressure is only 7.9 MPa, significantly lower than
the pressure required for sulfur deposition. Consequently, sulfur deposition may extend
from the wellhead to the wellbore bottom and potentially infiltrate the reservoir. This
poses a significant challenge in mitigating sulfur deposits, ultimately leading to decreased
production efficiency and hastening the abandonment of the well.
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Figure 16. WTD at different reservoir pressures ((a) 15.0 MPa; (b) 10.0 MPa).

4.5. Reservoir Temperature

Variation in the reservoir temperature gradient will exert a notable influence on
the spatial distribution of the wellbore temperature, with the reservoir temperatures set
at 140/120/100 ◦C for comparative purposes (Figures 18 and 19). A greater reservoir
temperature gradient correlates with elevated wellhead temperatures and correspondingly
higher temperatures along the surrounding well walls. The decrease in the wellhead
temperature is attributed to the substantial temperature variance in the lower section of the
wellbore, leading to heightened heat dissipation, as opposed to the minimal temperature



Processes 2024, 12, 1073 17 of 20

differential between the upper wellbore and the surrounding strata, resulting in reduced
heat dissipation. Additionally, the temperature gradient plays a crucial role in influencing
the pressure within the wellbore, as alterations in temperature can impact gas density,
consequently affecting the pressure gradient. With an increase in the wellhead temperature,
the wellhead pressure increases correspondingly.
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Figure 17. Comparison at different reservoir pressures ((a) temperature; (b) pressure).
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Figure 18. WTD at different reservoir temperatures ((a) 140 ◦C; (b) 120 ◦C).
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Figure 19. Comparison at different reservoir temperatures ((a) temperature; (b) pressure).
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5. Conclusions

(1) A temperature field prediction model incorporating sulfur deposition was developed,
emphasizing variations in the PPPs of hydrogen-sulfide-containing gas and the cor-
responding modified model. The pressure model employed a GSTP flow approach,
while the sulfur solubility prediction model selected a theoretical model tailored to
the specific target block.

(2) The accuracy of the calculation model is validated through comparison with field-
measured data, revealing an error of 2.53% in the temperature calculations and 4.80%
in the pressure calculations. The results demonstrate a high level of agreement, indi-
cating that the model is suitable for predicting wellbore temperatures in HSG wells.

(3) The production of the HSG well has a notable impact on temperature. Specifically,
a 20.09% increase in the wellhead temperature is observed when comparing a gas
production rate of 120 × 104 m3/d to that of 60 × 104 m3/d. The thickness of the
sulfur scale within the wellbore influences the flow rate, subsequently leading to a
decrease in wellhead pressure.

(4) An elevation in the hydrogen sulfide concentration correlates with an increase in
the density of natural gas, thereby causing a more rapid decline in pressure. This
reduction in reservoir pressure and temperature will subsequently lower the wellbore
pressure and temperature, impeding the removal of sulfur deposits at the well bottom
and accelerating a decrease in the productivity of HSG wells.

(5) This paper primarily examines a prediction model for temperature fields, without
delving extensively into the specific locations and mechanisms of sulfur deposition
under varying temperature conditions. Future research may explore these aspects
further, enabling decision-makers to implement tailored strategies for sulfur deposi-
tion removal.
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Abbreviations

HSG high-sulfur gas
GSTP gas–solid two-phase
WTD wellbore temperature distribution
PPP physical property parameter
HSC hydrogen sulfide content
Z Deviation coefficient
Pr Pseudo pressure
Tr Pseudo pressure
ε Correction coefficient
M The sum of the mole fractions of H2S and CO2 in the system
N The mole fraction of H2S in the system
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Tci Critical temperature, K
pci Critical pressure, Pa
T′

ci Corrected critical temperature, K
p′ci Corrected critical pressure, Pa
γg Relative density of natural gas
µH2S,µCO2 µN2 Viscosity correction values for H2S, CO2, and N2, respectively, mPa·s
H2S, CO2, N2 Molar content in the gas mixture, %
λ Thermal conductivity coefficient, W/(m·K)
T Temperature, K
r Distance from the center of the tubing, m
ρc Heat capacity per unit volume, J/(m3·K)
t Time, s
λ Heat transfer coefficient, w/(m·K)
hc Heat transfer coefficients of heat convection, w/(m·K)
hr Heat transfer coefficients of heat radiation, w/(m·K)
α Content of sulfur particles
ρs Densities of sulfur particles, kg/m3

ρg Densities of gas, kg/m3

vs Velocity of the solid sulfur particle, m/s
ds Diameter of the sulfur particle, m
vg Speed of the gas, m/s
d Inner diameter of the tubing, m
µg Viscosity of the gas, mPa·s
Ti Initial reservoir temperature at depth z, K
T0 Wellhead temperature, K
a Temperature gradient, K/m
z Depth, m
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